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a b s t r a c t

Many deep saline aquifers suitable for carbon dioxide (CO2) sequestration contain measurable concen-
trations of hydrogen sulfide (H2S). These aquifers are described here as sour saline aquifers and the other
ones as ordinary saline aquifers. Sour saline aquifers occur wherever even minor amounts of anhydrite or
other sulfate sources are present in the formation. In this paper, compositional modeling of CO2 injection
into such aquifers is studied. When CO2 is injected into a sour saline aquifer, the H2S initially dissolved in
the brine will be exsolved and released into an expanding CO2 plume. At any time after the start of CO2

injection, the region swept by the plume consists of two sub-regions. The first of these is an inner sub-
region extending from the injection well, and is characterized by the absence of H2S in both aqueous and
gaseous phases. The dissolved H2S in this inner sub-region is nearly completely removed from the brine
via an exsolution process. The second sub-region extends from the outer edge of the inner sub-region to
the leading edge of the plume. In this outer sub-region, the mole fraction of H2S in the gas plume gradu-
ally increases toward the leading edge and reaches a peak value. While the gas plume is expanding the
size of the outer sub-region enlarges. Following the discussion of these phenomena, in the next part of
the paper, injection of acid gases (mixtures of H2S and CO2) into sour saline aquifers and ordinary saline
aquifers is explored. In contrast to sour aquifers, unsaturated water in an ordinary aquifer will strip away
H2S from the CO2 stream and consequently the mole fraction of H2S toward the gas front decreases. The
highly toxic nature of H2S gas suggests the need to account for dissolved H2S in sour saline aquifers when
establishing risk assessment, monitoring, and management strategies at CO2 storage sites.

© 2010 Elsevier Ltd. All rights reserved.

1. Introduction

Carbon dioxide emissions arising from use of fossil fuels are
likely to be the dominant drivers of climate change over the com-
ing century (IPCC, 2007). The use of carbon dioxide capture and
geologic storage (usually known as CCS) offers the possibility of
maintaining access to fossil energy while reducing emissions of
carbon dioxide to the atmosphere. Injection of nearly pure CO2 and
also injection of acid gas (CO2 and H2S) may occur over a wide range
of aquifer and reservoir characteristics and operating conditions
(Bachu and Gunter, 2005). For acid gas injection, the composition
of the injected gas can vary widely. To the end of 2003, close to
2.5 Mt CO2 and 2.0 Mt H2S (in different composition streams) have
been injected into deep saline aquifers and depleted reservoirs in

∗ Corresponding author. Tel.: +1 519 888 4567x32160; fax: +1 519 748 8115.
E-mail addresses: leonenko@uwaterloo.ca, leonenko@uwaterloo.ca

(Y. Leonenko).

Western Canada at average rates that vary between 1 × 103 and
5 × 105 m3/day (Bachu and Gunter, 2005).

Several studies have reported the numerical simulation of the
CO2 storage process, usually in order to establish more efficient
schemes to store larger volumes of gas (e.g., Kumar et al., 2005;
Leonenko and Keith, 2008). Moreover, different aspects of acid
gas disposal in saline aquifers have been investigated in recent
years (e.g., Adams and Bachu, 2002; Carrol, 2002a,b; Bachu and
Carroll, 2005; Bennion and Bachu, 2008). Although some studies
have assessed the implications of impurities in the injection stream
(Ozah et al., 2005; Bachu and Bennion, 2009; Bachu et al., 2009;
Battistelli and Marcolini, 2009), scant attention has been paid to
investigating the consequences of injecting CO2 or acid gas into
formations that contain pre-existing impurities in the in-situ brine
of the target formation.

Some authors have addressed the presence of gases dissolved
in saline aquifers where CO2 sequestration is planned. The Frio
brine formation in the U.S. is believed to be nearly saturated with
methane (Doughty et al., 2004; Hovorka et al., 2004) and the

1750-5836/$ – see front matter © 2010 Elsevier Ltd. All rights reserved.
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Table 1
Parameters used in Eq. (2) to calculate Henry’s constants for CO2 and H2S at different
pressures.

Component Parameters in Eq. (1) Fresh water Saline brine

CO2 H0 (kPa) 3.21E+5 4.5E+5
V* (l mole−1) 3.55E−2 3.52E−2
P0 (kPa) 0.0 0.0

H2S H0 (kPa) 1.28E+5 1.60E+5
V* (l mole−1) 3.59E−2 3.56E−2
P0 (kPa) 0.0 0.0

Nisku brine formation in Canada contains measurable amounts of
dissolved H2S (Hutcheon, 1999). In addition, the occurrence of non-
hydrocarbon gases (CO2, H2S, He, and N2) is quite common in strata
of all ages in the Alberta Basin which is a part of the Western Canada
Sedimentary Basin (Hutcheon, 1999). The Rocky Mountains and the
Appalachians in North America, where CO2 injection and geological
storage on a large scale is most likely to be implemented in Canada
and the United States (Bachu and Gunter, 2005), are among these
formations. Battistelli and Marcolini (2009) have shown the exso-
lution of dissolved CH4 and its accumulation at the edge of the CO2
plume during a sequestration process.

In this study, a commercial compositional reservoir simulator,
CMG-GEMTM version 2008.12, is used to perform the numerical
simulation of CO2 injection into a saline aquifer that initially con-
tains H2S as an impurity in the in-situ fluid. Although the aquifer’s
brine may contain several impurities (Ahmed, 1989; Hutcheon,
1999), the focus of this paper is to study the effect of H2S impu-
rity on the CO2 storage efficiency, due to the toxic nature of H2S
and high likelihood of its occurrence. Different scenarios for inject-
ing CO2 either as a single component gas or as a mixture with H2S
as an additional component (i.e., an acid gas comprised of 80% CO2
and 20% H2S) was considered.

2. Model

2.1. Fluid representation in CMG-GEM

The dissolution and exsolution of gaseous components in and
from the aqueous phase (water or brine) is calculated in the CMG-
GEM model using the general Henry’s law (Li and Nghiem, 1986):

fi = xiHi (1)

in which fi is the fugacity of component i in the gaseous phase, xi
is its mole fraction in the aqueous phase and Hi is the Henry’s law
constant of the component. Pressure and temperature dependence
of the Henry’s constant for each component (H (kPa)) is expressed
by (Computer Modelling Group, 2008):

ln(H) = ln(H0) + V∗(P − P0)
RT

(2)

where H0 (kPa) is the reference Henry’s constant at the reference
pressure P0 (kPa), V* is the partial molar volume of the component at
infinite dilution (l mole−1), P is the pressure (kPa), T is the tempera-
ture (K) and R is the universal gas constant (8.314 kPa l mole−1 K−1).
The greater the value of Henry’s constant for a given component,
the less soluble it is in the aqueous phase. Table 1 shows the set
of parameters required for calculating the Henry’s constants for
CO2 and H2S at different pressures and at a constant temperature
equal to 61.0 ◦C and two different aqueous phase salinities: a brine
with zero salinity (fresh water), and a saline brine with salinity
equivalent to 118,950 mg NaCl per liter of solution.

The values provided in this table have been verified against
experimental data (see Pooladi-Darvish et al. (2009) and Bachu et
al. (2009) for more details). The Henry’s constants clearly show that
solubility of these gaseous components decrease with an increase
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Fig. 1. Comparison between SUPERTRAPP and CMG predictions for H2S–CO2 binary
mixtures at 61 ◦C and 13,500 kPa for Z factor (a) and mass density (b) as a function
of mole fraction of hydrogen sulfide.

in salinity of the formation brine. The Peng–Robinson Equation
of State (1976) is used along with Eq. (2) to model the fugac-
ity of components required in Henry’s law. GEM provides that,
at initial pressure (13,500 kPa), temperature (61 ◦C), and salinity
(118,950 mg l−1), it is possible to dissolve 0.02 H2S by mole fraction
into the brine which is equivalent to a 1.14 molal solution.

Fig. 1a and b shows CMG calculated Z factor and mass density,
respectively, at fixed pressure and temperature for binary mixtures
of H2S–CO2 as functions of H2S mole fraction. CMG predictions are
compared to calculations performed using the computer program
SUPERTRAPP (NIST, 2007) and show acceptable accuracy and con-
sistency. These figures illustrate the smooth change in properties of
the CO2–H2S binary mixtures as the mole fraction of H2S increases.
Therefore, at pressures greater than the critical pressure of all possi-
ble binary mixtures of H2S and CO2 (which is the case in the present
simulations), using a single phase approach for these mixtures of
varying composition is valid. In this study, this single phase is called
either a gas phase or more generally a non-aqueous phase.

CMG predictions for P-T diagrams of this binary system have
been displayed in Fig. 2a. This figure also shows the initial pressure
and temperature of the aquifer. Since the variation in the viscosity
of the CO2–H2S mixtures in the composition range applicable for
this study was not considerable (see Fig. 2b), the viscosity of the
non-aqueous phase mixtures was taken as a constant value equal
to 0.05 cp. Using this average value in comparison with the highest
and lowest values gives rise to only a 5% error in estimating plume
extension. Viscosity of the brine was calculated according to Bachu
and Carroll (2005) and for fresh water that same viscosity was used.
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Fig. 2. (a) P-T diagram of H2S–CO2 mixtures at four different compositions. The
pressure and temperature of the reservoir has also been indicated; (b) viscosity
of H2S–CO2 mixtures at reservoir condition (61 ◦C and 13,500 kPa) as predicted by
SUPERTRAPP which shows the small variation of viscosity between pure CO2 and a
mixture consisting of 0.6 H2S by mole fraction.

2.2. Main features of simulation models

All simulations were performed in a one-dimensional radial
model, with an absolute permeability of 5000 mD, a porosity of 30%,
a radius of 100 m, and a thickness of 1.0 m (see Table 2 for a full list
of aquifer properties).

The initial pressure, temperature, and salinity of the brine are
the same as the values that were used in the numerical simula-
tions by Bachu et al. (2009). The relative permeability curves were
characterized using the Corey correlation (1954) with exponents
of 2.0 and 1.5 for the gas and water relative permeability curves,
respectively. Fig. 3 presents the curves used in the simulations. The
residual brine saturation was set equal to 0.1, and two different
end point relative permeability values for the gas phase of 0.4 and

Table 2
Properties of aquifer and fluids and injection details for the Base Case simulation.

Radius (m) 100
Thickness (m) 1.0
Absolute permeability (mD) 5000
Porosity 0.30
Rock compressibility (kPa−1) 5.0E−7
Temperature (◦C) 61.0
Initial pressure (kPa) 13,500
Brine salinity (mg l−1) 118,950
Initial mole fraction of dissolved H2S 0.02
Grid system 1D-radial
nr 2000
Aqueous phase viscosity (cp) 0.58
Non-aqueous phase viscosity (cp) 0.05
Injection gas composition Pure CO2

Injection rate (rm3/day) 4.0
Injection period (days) 100
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Fig. 3. Water–gas relative permeability curves.

1.0 were considered for the Base Case and one sensitivity analysis,
respectively.

The model employed a single vertical injection well with con-
stant injection rate constraint at the center of a bounded radial
model, and was accompanied with a production well at the bound-
ary to mimic a constant pressure boundary condition. Injection
simulations of pure CO2 and an 80% CO2–20% H2S mixture at
supercritical conditions were performed for 100 days. The injec-
tion rate was fixed at 4.0 rm3/day (≈1100 sm3/day). The high value
of absolute permeability and injection rate ascertain the proper
propagation of the gas plume at a reasonable time while producing
minimum pressure disturbance in the models.

It is worth mentioning some of the other relevant features and
assumptions of the simulation models. First, GEM is an isother-
mal simulator in which the temperature of the injected fluids as
well as the temperature of the reservoir remains constant at the
user specified value, thereby neglecting all possible thermal effects.
Second, true representation of the reservoir in the z direction may
require using a multi-layered system which can capture any possi-
ble gravity segregation and hence saturation distribution. However,
to reduce the degree of complexity of the problem, one layered
system was used. Third, although the molecular diffusion can play
a role when there is a concentration gradient and also can cause
back-mixing of the dissolved components with the (newly) injected
gas, it was neglected in the current study. Fourth, the vaporization
of water and related side effects such as formation dry-out, salt
precipitation, and reductions in permeability and porosity (Pruess,
2009; Zeidouni et al., 2009) were ignored. This further implies that
the water component is only present in the aqueous phase and
not in the non-aqueous phase. At the temperature and pressure
of interest in this study, the ultimate mole fraction of water in the
non-aqueous phase cannot exceed 2–3% (Li and Firoozabadi, 2009).
Fifth, the capillary pressure was not considered in this study.

3. Results and discussion

3.1. Preliminary simulation results

The preliminary simulation results indicated that injection of
pure CO2 into a saline aquifer which is initially saturated with H2S
(Table 2) causes the exsolution and release of dissolved H2S into the
expanding CO2 plume. Moreover, the expanding CO2 plume (or acid
gas plume) delivers all of the exsolved H2S progressively towards
the leading edge of the plume.

The effect of discretization on solution accuracy was inves-
tigated by conducting simulations with different degrees of
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Fig. 4. Simulation results: (a) gas saturation profile after 100 days; (b) CO2 mole fraction in the gas phase (yg
CO2

) after 100 days (note that the mole fraction of H2S (yg
H2S) at

any location is equal to 1.0 − yg
CO2

); (c) variation of H2S mole fraction in the gas phase after 10 days; (d) variation of H2S mole fraction in the gas phase after 100 days.

refinement. It was concluded that fine grids are required to accu-
rately capture the gas plume radius at any time, and to evaluate
its composition correctly, 2000 grid cells (each 1.0 m thick and
0.05 m of radial extent) were considered for all simulation models
to achieve this goal.

Fig. 4a shows the gas saturation variation within the aquifer after
100 days. As can be seen in Fig. 4b, the mole fraction of CO2 within
this plume changes from 1.0 at the point of injection and gradually
decreases toward zero close to the outer boundary of the plume.
Fig. 4c and d illustrates the variation in the H2S composition of the
plume after 10 days and 100 days, respectively, indicating a sub-
stantial increase in the radial extent of the evolved region. Since the
plume expansion is symmetrical in the radial models, henceforth
2D graphs will be used to better illustrate the development of gas
saturation and H2S evolution as the gas exsolution progresses.

3.2. Base Case simulation results and observations

As suggested by the above grid sensitivity results, a discretiza-
tion of 2000 grid cells in the radial direction was chosen as the
Base Case. This grid was utilized to investigate the consequences
of injection of CO2 into brine which is saturated with (dissolved)
H2S at the initial conditions described in Table 2. For the Base Case
scenario, pure CO2 is injected at a rate of 4.0 rm3/day into a verti-
cal well located at the center of the model. As previously described,
when the injected CO2 comes into contact with saturated brine, H2S
progressively exsolves out of the aqueous phase into the gas phase
of the advancing CO2 plume. The CO2 plume pushes the mobile
portion of the brine as well as the exsolved H2S toward the outer
boundary of the domain, while CO2 continuously dissolves into

the brine. According to the simulation results found in this study,
at any time after injection starts, the region swept by the plume
consists of two sub-regions: an inner radial sub-region extend-
ing from the injection well, characterized by the absence of H2S in
both aqueous and non-aqueous phases; and, an outer sub-region,
where the mole fraction of H2S in the gas plume gradually increases
towards a peak value at the leading edge. The peak value of H2S
(at the leading edge) is defined by thermodynamic equilibrium at
the gas–liquid boundary (based on the fundamental assumption of
instantaneous thermodynamic equilibrium which is employed in
CMG-GEM calculations). For the ternary system of H2S–CO2–H2O
flash calculations indicate that at the temperature, pressure and
salinity used in this study, a gas mixture of 54% H2S and 46% CO2
is in equilibrium with an aqueous phase consisting of 1.30% H2S,
0.7% CO2, and 98% water (all by mole percent). These results of
flash calculations are consistent with the experimental results of
Bachu et al. (2009) in which they have shown that at the prevailing
conditions, the solubility of H2S is about two times greater than
the solubility of CO2 in aqueous phase. The results of simulations
also suggest that the maximum mole fraction of H2S in gas phase is
0.54 and it is consistent with above data. It should be noted that this
result is valid only within assumption and simplification made and
discussed previously. It is expected that, if for example the vapor-
ization of water to the gas phase were accounted for, the level of
H2S could proceed to higher values. However, the quantification of
such is not the main purpose of this study; instead, emphasis has
been placed on the clear understanding of the mechanism involved
in the evolution of the very toxic and hazardous H2S component.

Figs. 5 and 6 show the simulation results for the Base Case sce-
nario after 100 days of injection. From Fig. 5, it is inferred that, after
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shows the CO2 mole fraction distribution in the gas phase; the short dashed curve
shows the H2S mole fraction distribution in the gas phase.

100 days, the plume radius will reach approximately 29.3 m. The
first sub-region is about 25.8 m in radius, and the second sub-region
is about 3.5 m. Fig. 6 clearly shows that the CO2 has been dissolved
into the brine, while H2S has been exsolved and released into the
gas phase. Considering both of these figures together, the occur-
rence of the equilibrium composition between the two phases (gas
and aqueous) at the leading edge is identifiable. As time passes,
subsequent to increasing radius of the plume, the extent of the sec-
ond sub-region which contains a gaseous H2S concentration also
increases. The evolution of H2S into the gas phase is a dynamic
process beginning when CO2 injection is initiated at the injector.
This phenomenon was previously noted and illustrated in Fig. 4c
and d.

Fig. 7 shows the gradual development of the outer sub-region.
It’s width continues to grow and the concept of FWHM (full width
at half maximum, ı in Fig. 7) is used to estimate the rate of width
growth after stabilization of the peak value, as given by:

�ı

�t
= ı2 − ı1

t2 − t1
= 1.35 − 1.05

200 − 100
= 0.003

(
m

day

)
(3)
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last block invaded by the gas plume.
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In Eq. (3), ı (m) represents the FWHM of the graphs in Fig. 7 corre-
sponding to times when the peak value has been reached.

One point should be emphasized here. In the vicinity of the injec-
tion well in the presence of a strong convective process (strong CO2
flux) the H2S concentration gradient is confined within a very thin
boundary layer near the edge. The layer’s width is increasing from
zero (at the well) to scales (far enough from the well) comparable to
simulation grid size and at some point the peak value of the layer
becomes observable. It happens when dotted line in Fig. 7 starts
flattening and equilibrium boundary mole fraction (54%) is clearly
present (after 50 days).

From the simulation results, it is also possible to calculate the
amount of moles of H2S in the gas phase at any specific time by
evaluating the following integral:

ng
H2S =

∫ rplume

rw

(sg�gyg
H2S�2�hr)dr (4)

where ng
H2S (mol) is the moles of gaseous H2S, sg is the gas satu-

ration, �g (mol m−3) represents the molar density of the gaseous
phase, yg

H2S is the mole fraction of H2S in the gas phase, � is the
porosity, h (m) is the thickness of the reservoir, and r (m) is the
radius from the injection well. The integration is carried out over a
distance from the wellbore radius (rw) to the plume radius (rplume).
Fig. 8 shows the graph of the integrant in Eq. (4) after 100 days of
injection. The amount of H2S released to the gas phase at this time
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represents the total amount of H2S released to the gas phase.
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Fig. 9. Effect of different parameters on the distribution of different phases and components within the aquifer after 100 days; (a) increased gas mobility; (b) increased gas
injection rate; (c) comparison of plume extension for two cases with different salinity; (d) use of fresh water instead of saline brine; (e) decreased initial mole fraction of
dissolved H2S to one-fourth of the Base Case value; (f) decreased initial mole fraction of dissolved H2S to one-eighth of the Base Case value.
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(obtained by numerical integration of this graph) is equal to about
220 mol. Knowing that the molecular weight of hydrogen sulfide
is equal to 34.1 kg kmol−1, the molar release value noted above is
equivalent to about 7.5 kg of H2S.

4. Sensitivity analysis

Simulations were conducted to investigate the effect of flow
conditions on the distribution of phases and components, and
specifically to investigate the evolution of H2S at the leading edge of
the plume. Flow conditions are affected by gas mobility, gas injec-
tion rate, salinity of the brine, and initial mole fraction of dissolved
H2S. For simplicity, only the results after 100 days of injection are
presented, as illustrated in Fig. 9.

4.1. Effect of gas mobility

The effect of gas mobility was examined by increasing the end
point of gas relative permeability from 0.4 to 1.0 (Fig. 3, Krg (Case
a)). In the case of a more adverse mobility ratio (i.e., a higher gas
mobility), at any given time the gas spreads over a larger contact
area with the aqueous phase (larger radius of plume) in comparison
with the Base Case, thereby stripping H2S more effectively from the
brine in contact with the advancing gas front (Fig. 9a). For this case,
after 100 days, ı would be 1.65 m which is 0.6 m greater than the
Base Case at that comparable point in time. Also note that, at that
time, the gas plume itself is 5 m ahead of the Base Case model.

4.2. Effect of gas injection rate

The effect of gas injection rate was probed by increasing the
injection rate from 4.0 rm3/day to 10.0 rm3/day. The effect of
increasing the gas rate is similar to that of increasing the gas relative
permeability. Needless to say, these two are different in one impor-
tant aspect. Any change in relative permeability curves causes
direct change in the characteristic fractional flow curve which in
turn changes the phase saturation distributions. However, increas-
ing the injection rate does not have any effect on the fractional
flow curve. Instead, increasing the injection rate causes the plume
to propagate faster and to contact a larger area at a specific time in
comparison with the Base Case. Fig. 9b demonstrates that, after 100
days, the plume has passed 46 m. The results also reveal that the
rate of increase in the width of characteristic FWHM or ı increases
and reaches a value of 0.0045 m/day (similar calculation to Eq. (3)).

4.3. Effect of brine salinity

As has been pointed out by several researchers, the solubility of
CO2 and H2S in brine will decrease with an increase in brine salinity
(e.g., Enick and Klara, 1990; Duan et al., 2007). The effect of salinity
was examined by considering fresh water instead of brine. It was
assumed that the initial mole fraction of dissolved H2S was equal to
the saturated brine value in the Base Case (i.e., 0.02). The data in the
third column of Table 1 (“Fresh water”) was used in the simulation
models to reflect the higher solubility of gaseous components in the
fresh water. The higher solubility of the gaseous components into
fresh water relative to the brine case causes the ultimate radius of
the CO2 plume to shrink from 29.3 m in the Base Case to 28.9 m in
this fresh water case (see Fig. 9c). This of course means that less
H2S was released from the fresh water case (see Fig. 9d).

4.4. Effect of initial mole fraction of dissolved H2S in brine

Simulations were run for two cases where the initial mole frac-
tion of the dissolved H2S in brine was substantially decreased. In
the first case (Fig. 9e), the initial mole fraction of dissolved H2S was
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Fig. 10. Comparison between phase and component distribution for acid gas injec-
tion in two cases; (a and b) the brine is initially saturated with H2S (where, similar
to what was displayed in Fig. 6, the “©” and “�” symbols indicate the equilibrated
mole fraction of H2S and CO2, respectively, in the aqueous phase in the last block
invaded by the gas plume); (c and d) the brine is initially free of any dissolved H2S.
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equal to 0.005 and, for the second one (Fig. 9f), that initial mole
fraction was equal to 0.0025 (i.e., one-fourth and one-eighth of the
Base Case value, respectively). The evolution of H2S in these cases
is clearly different versus the Base Case. The brine in the Base Case
is saturated with H2S; hence, dissolution of H2S into the aqueous
phase does not occur. However, in the cases of unsaturated brine,
part of the exsolved H2S which remains as a gaseous accumulation
would be consumed in the dissolution process. Therefore (at least
at the gas front), dissolution and exsolution of H2S happen simulta-
neously, causing significant delay in reaching the final composition
for different components, meaning less H2S is released to the gas
phase.

5. Injection of acid gas into sour aquifers

Acid-gas injection operations represent a commercial-scale ana-
logue to geological storage of CO2, which is one of the most
promising means of reducing anthropogenic CO2 emissions into
the atmosphere in the short-to-medium term (IPCC, 2007). Due to
the importance of the operation, it is worth studying the impact
of acid gas injection in sour aquifers and comparing these results
with those of injection into pure brine (i.e., a saline aquifer with no
other impurities).

Injection of a mixture of 80% CO2 and 20% H2S for 100 days into
saline aquifers with properties in Table 2 was studied. The same
simulations were repeated for brine with the same salinity but in
the absence of initial dissolved H2S.

Fig. 10a and b shows the results of the injection process in the
sour aquifer. As can be seen, the injected streams strip away the
dissolved H2S and, at the same time, both CO2 and H2S are simul-
taneously seeking to attain equilibrium in the in-situ brine.

Fig. 10c and d illustrate the results associated with injection of
acid gas into a saline aquifer which is initially free of any H2S. As
expected, as the gas continues its flow away from the injection well,
it comes into contact with unsaturated formation water and the
higher H2S solubility in brine causes the chromatographic sepa-
ration of the two gases, resulting in H2S being stripped off at the
leading edge of the gas plume (Bachu and Bennion, 2009). In this sit-
uation, the zone with high composition of H2S in the gas plume does
not appear. The depicted results in these two figures are similar to
the results previously reported by Bachu et al. (2009).

6. Summary and conclusions

Compositional numerical simulations were performed to char-
acterize the exsolution of H2S during carbon dioxide and acid gas
sequestration in saline aquifers containing pre-existing dissolved
H2S as an impurity. Simulation results confirm the formation of
two distinguishable sub-regions in the volume swept by the gas
plume. For pure CO2 injection, the first sub-region is character-
ized by the absence of H2S in both aqueous and gaseous phases.
This sub-region occupies the interior cylindrical region centered
at the injection point. On the other hand, in the outer cylindri-
cal sub-region surrounding the first sub-region, the H2S mole
fraction gradually increases toward the leading edge of the advanc-
ing gas front. The size of the evolved sub-region increases over
time. The maximum H2S mole fraction in gas phase is affected
by the reservoir conditions under investigation, including the
pressure, temperature, and salinity. Since this was a characteriza-
tion study, precise quantification of the results was not pursued
as a goal of this study; therefore, the results would be subject
to minor changes if, for example, the vaporization of water is
considered.

Sensitivity analysis was performed to explore the effects of flow
conditions and fluid characteristics on the sizes of these sub-regions

and particularly the alteration of the H2S mole fraction profile in the
second sub-region. The study was limited to the main parameters
such as gas mobility, gas injection rate, brine salinity, and initial
mole fraction of dissolved H2S impurity. Gas mobility, which is con-
trolled by relative permeability of gas, had a direct effect on the size
of the plume. Increasing the gas mobility causes the plume size to
increase and consequently enhances the release of H2S. Injection
rate changes the rate of growth of the second sub-region. Brine
salinity influences gas solubilities which accordingly affect the evo-
lution of the H2S dissolved species. Increased solubility reduces
the exsolution of dissolved hydrogen sulfide. Although the initial
mole fraction of dissolved H2S has a direct effect on the amount
of exsolvable H2S, a low initial mole fraction is not a serious bar-
rier for H2S to reach appreciable levels near the leading edge of the
plume.

Injection of a mixture of 80% CO2 and 20% H2S as an acid gas
into a sour aquifer was also explored. The results show that, in con-
trast with the injection of pure carbon dioxide, the injection of the
acid gas mixture is accompanied by the simultaneous exsolution
and dissolution of H2S from and into the aqueous phase. For low
mole fraction of hydrogen sulfide in the injection fluid, the disso-
lution of this component causes no practical change in the mole
fraction profile of H2S in comparison with injection of pure CO2
into sour saline aquifers. Injection of an acid gas mixture into an
ordinary brine aquifer gives rise to the formation of sour brine in
the swept region as unsaturated water easily strips away H2S from
the injected CO2 stream.

The results of this study are important in establishing moni-
toring strategies at CO2 storage sites, and in evaluating the risks
associated with the possible leakage of evolved H2S during CO2
and acid gas injection into sour saline aquifers. This research also
establishes the level of corrosivity represented by CO2 and H2S con-
centrations (affecting pH levels and partial pressures of corrosive
elements, etc.) in both the aqueous and gas phases when the plume
intersects wells that penetrate the injection horizon. The effect of
other impurities such as CH4, N2, and SO2, either as in situ compo-
nents or as constituents of the injection stream, can be studied in a
similar manner and should be the subject of future studies.
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