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ABSTRACT

Accurate modeling of the storage or sequestration of CO, injected into subsurface forma-
tions requires an accurate fluid model. This can be achieved using compositional reservoir
simulations. However, sophisticated equations of state (EOS) approaches used in current
compositional simulators are computationally expensive. It is advantageous and possible to
use a simple, but accurate fluid model for the very specific case of geological CO, storage.
Using a black-oil simulation approach, the computational burden of flow simulation can be
reduced significantly. In this work, an efficient and simple algorithm is developed for
converting compositional data from EOS into black-oil PVT data. Our algorithm is capable
of predicting CO,-brine density, solubility, and formation volume factor, which are all
necessary for black-oil flow simulations of CO, storage in geological formations. Numerical
simulations for a simple CO, storage case demonstrate that the black-oil simulation runs are
atleast four times faster than the compositional ones without loss of accuracy. The accuracy
in prediction of CO,-brine black-oil PVT properties and higher computational efficiency of
the black-oil approach promote application of black-oil simulation for large-scale geological
storage of CO, in saline aquifers.

© 2007 Elsevier Ltd. All rights reserved.

1. Introduction

motion, which in turn causes increased dissolution over a
larger distance and shorter time scales compared to pure

The sequestration of anthropogenic CO, into geological
formations has been considered as a potential method to
mitigate climate change. Accurate evaluation of the capacity
of a saline aquifer for CO, sequestration, and the fate of the
injected fluids in sedimentary basins needs precise represen-
tation of brine and CO, PVT data (Adams and Bachu, 2002;
Bachu and Adams, 2003). Experimental data reported in the
literature show that the density of an aqueous solution of CO,
could be slightly greater than that of pure water (Blair and
Quinn, 1968; Sayegh and Najman, 1987; Hnedovsky et al.,
1996). This density variation might cause free convection

* Corresponding author. Tel.: +403 220 8779; fax: +403 284 4852.
E-mail address: pooladi@ucalgary.ca (M. Pooladi-Darvish).

diffusive flow (Lindeberg and Wessel-Berg, 1996; Ennis-King
and Paterson, 2003, 2005; Ennis-King et al., 2005; Hassanzadeh
et al., 2005). Therefore, accurate description of the thermo-
dynamic and transport properties of CO, and brine are very
important for evaluating the capacity of saline aquifers to
sequester CO, by a solubility trapping mechanism.

In the petroleum industry, compositional reservoir simu-
lators use EOS thermodynamic models to calculate the phase
equilibrium properties of fluid mixtures (Chang et al., 1998).
Although these kinds of thermodynamic models are well
suited for compositional modeling of enhanced oil recovery
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Nomenclature

equation of state parameter
activity

equation of state parameter
brine formation volume factor
formation brine compressibility
molecular diffusion coefficient
constant = 1.38058 x 10~
equilibrium ratio

molality

molecular weight

mole

pressure

parameter, it can be either A or ¢
gas constant

dissolved CO,-brine ratio
absolute temperature (K)
volume

molar volume

apparent molar volume

mole fraction in aqueous phase
mole fraction in CO,-rich phase
CO, compressibility factor

Greek symbols

activity coefficient

fugacity coefficient

equilibrium constant

second-order interaction parameters
viscosity

stoichiometric number of ions in the dissolved
salt

pressure

temperature (°C)

mass density

molar density

CO, mass fraction in aqueous phase
third-order interaction parameters

Subscripts

anion

brine

cation

component index
component index
component index
liquid

mixture

Reservoir condition
saturated

standard condition
water

solvent

solute

Superscript

reference state

(EOR) processes, such as miscible gas injection, the disadvan-
tage of such models for the specific case of large-scale flow
simulation of geological CO, storage in aquifers is that they
represent computational “overkill” and are inappropriately
expensive. Therefore, it would be helpful if we were able to use
a simple thermodynamic model that can predict the CO,-brine
equilibrium properties accurately with less computational
overhead. Indeed, there are a large number of experimental
equilibrium data on the CO,-brine system that have been used
to develop correlations and tune the equations of state for CO,
and water under subsurface conditions. Such experimental
and EOS data are used in this paper to develop a black-oil PVT
module needed for flow simulation geological storage of CO, in
saline aquifers. The novelty of this work is in presenting a PVT
module for converting compositional data into black-oil that
provides accurate PVT data required for black-oil flow
simulation of CO, storage in saline aquifers. The black-oil
PVT module developed in this work is validated with
experimental data available in the literature. Furthermore,
our numerical flow simulations of CO, storage reveal that the
black-o0il simulation approach is computationally more
efficient than the compositional approach. The accuracy in
prediction of CO,-brine PVT properties and superior computa-
tional efficiency encourages application of black-oil simula-
tion approach for large-scale geological storage of CO, in saline
aquifers.

The thermodynamic model used in this work is based on a
combination of the Duan and Sun (2003) and Spycher et al.
(2003) models. Similar models have recently appeared in the
literature (Spycher and Pruess, 2005; Portier and Rochelle,
2005; Duan et al, 2006). In this paper, in addition to
presentation of our thermodynamic module, we use it to
generate CO,-brine PVT properties as required for black-oil
flow simulation. For completeness, we also present the
correlations of transport properties of the CO, and brine
system required for black-oil reservoir simulation.

This paper is organized as follows. First a brief review of the
literature on thermodynamic modeling of CO,-brine equili-
brium is presented. Then, the thermodynamic model used in
this study is described and its results are compared with
experimental data available in the literature. This is followed
by the main contribution of the paper; representation of the
CO,-brine PVT properties suitable for black-oil simulation and
a comparison of black-oil and compositional simulator
computational performances for simulation of CO, injection
into saline aquifers.

2. Review of CO,-brine solubility data

The CO,-water equilibrium phenomenon has been studied
extensively in literature. The interested reader might consult
more exhaustive reviews from Diamond and Akinfiev (2003),
Duan and Sun (2003), and Spycher et al. (2003) among others.
In this section, a brief review of some of the studies is
presented. Wiebe and Gaddy (1939) and Wiebe (1941) reported
experimental solubility of CO, in water at temperatures up to
100 °C and pressures up to 700 atm. Dodds et al. (1956) have
used available equilibrium data on the solubility of carbon
dioxide in water to develop a chart for determination of CO,
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solubility in water as a function of pressure and temperature.
Their work covers a temperature range of 0-120°C and a
pressure range of 1-700 atm. Rowe and Chou (1970) have
measured thermodynamic properties of NaCl solutions in the
temperature range of 0-175 °C for NaCl concentrations of 0-
25 g per 100 g of solution and pressures up to 34 MPa. They
developed a correlation, which describes the PVT—x relation to
fit their experimental data as well as the density data from the
literature. Enick and Klara (1990) have used 110 solubility data
from the literature for the CO,~water system over a tempera-
ture range of 298-523 K and a pressure range of 3.40-72.41 MPa
to determine the reference Henry’s constant. They developed
an empirical correlation that can be used to calculate the
reference Henry’s constant for the CO,~water system. Span
and Wagner (1996) reviewed the available data on thermo-
dynamic properties of CO, and presented a new equation of
state in the form of a fundamental equation explicit in the
Helmholtz free energy that accurately represents the experi-
mental data. Battistelli et al. (1997) developed an equation of
state module for the TOUGH2 simulator for water, salt, and gas
suitable for geothermal reservoir modeling. Their Henry’s
constant correlation for water and CO, was based on
experimental data using a polynomial regression for a
temperature range of 0-300 °C and salinity up to 4.87 molal.
Teng et al. (1997) presented an experimental investigation on
the solubility of CO, as a liquid in water at temperatures from
278 to 293K and pressures from 6.44 to 29.49 MPa. They
presented an expression for Henry’s constant as a function of
pressure and temperature based on experimental data. They
also developed an expression relating the density of CO,
aqueous solution and pure water. Garcia (2001) presented a
correlation for calculation of partial molar volume of CO, in
water. He reported a density increase of 2-3% for an aqueous
solution of CO, in water compared to pure water. An excellent
work by Spycher et al. (2003) reviewed the published
experimental P-T-x data in the temperature range of 12-
100 °C and pressure up to 600 bar to develop a solubility model.
They used a non-iterative procedure to calculate the composi-
tion of the compressed CO, and liquid phase at equilibrium
based on equating chemical potentials and using the Redlich-
Kwong equation of state without accounting for salinity. Their
procedure avoids iteration and is suitable for computationally
intensive flow simulation. Duan and Sun (2003) presented an
improved and highly accurate model for calculation of CO,
solubility in pure water and NaCl aqueous solutions from 273
to 533 K and pressures up to 2000 bar. Their model is based on
particle interaction theory for the liquid phase and an
equation of state for the vapor phase. Diamond and Akinfiev
(2003) used published solubility data in the literature to
evaluate the solubility of CO, in water. They found that the
assumption that the activity coefficients of aqueous CO, are
equal to unity is valid up to solubilities of approximately
2 mol%. Wong et al. (2005) used available thermodynamic data
for liquid CO, and CO, gas solubility in seawater and
developed an equation for the solubility of liquid CO, in
seawater as a function of temperature, pressure, and salinity.

In the following, the thermodynamic model used in
developing a PVT module for predicting black-oil data required
for flow simulation of geological CO, storage in saline aquifers
is presented.

3. Thermodynamic model

From the definition of fugacity, we have:
fi=wyip 1)

where f denotes fugacity; ¢ fugacity coefficient; p total pres-
sure; y is the mole fraction in the gaseous phase. At equili-
brium, the following equilibrium relationship holds (Spycher
et al., 2003):

f
k0 = 108 @)
H,0(aq)
feo
0, = - 2(8) 3)
CO,(aq)

where « parameters are true equilibrium constants and a is the
activity of a component in the aqueous phase. The « para-
meters are functions of pressure and temperature as given by
the following expression (Spycher et al., 2003):

_ OV
«(T, p) = K?T‘po) exp {%} 4)

where the exponential term is termed the Poynting factor; p
pressure; p° reference pressure (1 bar); T temperature in K; R
gas constant; V; is the average partial molar volume of the pure
condensed component i over the pressure interval p° to p and it
is assumed constant in the pressure interval of interest (Spy-
cher et al., 2003).

Substituting for fugacities in Eq. (1) from Egs. (2) and (3)
gives:

Fi0 = 91,0¥1,0 P = ¥11,008,0(2) (5)

feo, = 9co,¥co, P = ¥co,(g)c0,(aq) (6)

Then, substituting for «(T, p) results in:

0 0\17
KH,09H,0 [(P —-p )VH20:|
= ex 7
Yo = gop P RT ¢

The activity of the water component can be approximated
by its mole fraction au,0 = 1 — Xco, — Xsalt, Where Xco, and Xgai
are CO, and salt mole fractions, respectively.

In the petroleum industry, the salinity of the formation
brine is generally reported as a constant in terms of total
dissolved solids (water/NaCl solution of equivalent total
dissolved solid) (Amyx et al., 1960; Craft et al., 1991; Enick
and Klara, 1992; Walsh and Lake, 2003, among others). In other
words, the effect of different salts is simply accounted through
lumping of all dissolved salts into their salinity equivalent.
However, Spycher and Pruess (2005) treated xga1c as a variable
in their model to include the variation in salt concentration in
equilibrium calculation. Calculations based on the Spycher
and Pruess (2005) model reveal that xq,y is fairly constant for
the pressure and temperature range of CO, storage in saline
aquifers. This is due to the fact that CO, solubility in aqueous
phase is very low. Therefore, for the purpose of generating
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black-oil PVT data, we assumed that xg,; iS constant in our
calculations.

Similarly, using dco, = 55.508y¢q,Xco,, Where yqo, is the
activity coefficient of the dissolved CO,, results in (Spycher
et al., 2003):

0 .
Yeo, _ 22-508kco, (g Yco, exp {(P - Po)Vcoz} ()

Xco, B ¥Yco, P RT

where Vy,o =18.1 cm®mol, Veo,g = 32.6 cm*mol, Veo,q) =
32 cm®/mol, and the « parameters for CO, and water are given
by (Spycher et al., 2003):

10gkQo, (g = 1.189 + 1.304 x 107260 — 5.446 x 10°¢” ©)
logQo,q) = 1.169 + 1.368 x 10720 — 5.380 x 10~°¢ (10)

logkd o = —2.209 +3.097 x 10720 — 1.098 x 10 *6* + 2.048
x 10776° (11)

where 0 is temperature in °C.

Here we have applied the approach used by Spycher et al.
(2003) to calculate component fugacities in the CO,-rich phase
by using the Redlich and Kwong (1949) equations of state (EOS)
and the Duan and Sun (2003) model to calculate the activity
coefficient of CO,. See Appendix A for details on RK equations
of state. The fugacity of each component in the CO,-rich phase
depends on the phase composition. Therefore, the above
computations should be performed iteratively. However, the
water mole fraction in the CO,-rich phase is very small and
can be neglected in calculation of the mixing rules as
suggested by Spycher et al. (2003), which in turn avoids
iteration.

To calculate the CO, activity coefficient, the virial expan-
sion of Gibbs excess energy (Pitzer, 1973) is used, as given by
Duan and Sun (2003) in the following expression:

In VEOQ = Z 2mC}LCOz—C + Z 2mA)Lco2,A
C A

+ Z Z McMalco,-a-c (12)
c A

with ygo, :m‘éo2 /Mco,, Where m‘éoz and mco, are the CO,
molality in pure and saline water, respectively as recently
identified by Spycher and Pruess (2005). The parameters
Aco,-c and ¢co, a ¢ are second- and third-order interaction
parameters, respectively, and Aco,-a = 0 as suggested by Duan
and Sun (2003). The subscripts A and C denote anions and
cations, respectively. Parameters A and ¢ are dependent on
temperature and total pressure. In this work, the following
parametric equation is used to calculate A and ¢, after Duan
and Sun (2003):

_ 3 cap Gsp
Par(T7p)7c1+c2T+T+ T +630—T

+cTIlnp (13)

where Par(T, p) can be either A or ¢, T is temperature in K and p
is pressure in bar. Table 1 gives the constants needed to
calculate the interaction parameters.

Table 1 - Constants needed to evaluate the interaction
parameters in Eq. (12) (from Duan and Sun, 2003)

Coefficient Aco,-Na {co, Na-cl

@ —0.411370585 3.36389723 x 104
@& 6.07632013 x 1072 —1.98298980 x 102
@ 97.5347708 0

@ —0.0237622469 2.122220830 x 10~3
@ 0.0170656236 —5.24873303 x 1073
Cs 1.41335834 x 10> 0

The molality of CO, in pure water can be calculated by
setting Xsq1: = 0in Egs. (7) and (8) and mgoz = 55.508xco, /XH,0 as
outlined in Appendix B. The molality of CO, in saline water is
then calculated with mco, = mgoz /Yco,- Using the molality of
CO, in saline water, the mole fraction of CO, in the aqueous
phase can be obtained from the following expression (Spycher
and Pruess, 2005):

Mco,
14
Mco, + 55.508 + vmg ( )

Xco, =
where ms is salt molality and v is the stoichiometric number of
ions in the dissolved salt.

Component mole fractions and equilibrium ratios can be
obtained by the following equations:

XH,0 = 1 — Xco, — Xsalt (15)

. .
ki o(1 — Xco, — Xsalt) {(P - PO)VH O}
— ex 2 16
Yu,0 Om,0D p RT e
Yeo, =1—Yn,0 )
Keo, Yeo, (18)
Xco,
Kinyo — Y0 (19)
XH,0

A detailed procedure for the calculation of compositional data
into black-oil PVT data is presented in Appendix B.

The CO, saturated aqueous phase density is obtained using
the approach of Garcia (2001) as given by

— 1 + (sz/Mwl)(XQ/xl)
Poat = (7, M) (X2/%1) + (1] p1)

(20)

where pg,; is in kg/m3, and p; and p, are solvent and solute
densities in kg/m?, respectively. The partial molar volume is
calculated by

V4 = 37.51 — 9.585 x 10720 + 8.740 x 1076 — 5.044
x 1077 6° (22)

where V,, is in cm®/mol.

Using the above formulation, CO, and water composition in
both phases can be obtained. The combined formulation
above is used to calculate the equilibrium ratios and to
generate black-oil PVT data for a CO,-water mixture as
detailed in Appendix B. In the following section a comparison
with the experimental data in the literature is presented.
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4. Comparison with experimental data

Chang et al. (1998), Diamond and Akinfiev (2003), Duan and
Sun (2003), Spycher et al. (2003), Spycher and Pruess (2005),
Portier and Rochelle (2005), and Duan et al. (2006) reviewed
and used CO,-brine mixture data available in the literature to
develop their solubility model. In this section, we compare
the calculated CO,-water properties with such experimental
data from the literature. These experimental data are taken
from King et al. (1992), Wiebe and Gaddy (1939, 1940), Wiebe
(1941), Malinin and Savelyeva (1972), Malinin and Kurovskaya
(1975), Song and Kobayashi (1987), Tédheide and Frank
(1963), Miiller et al. (1988), Gillespie and Wilson (1982), Sako
etal. (1991), Dohrn et al. (1993), Briones et al. (1987), D’Souza
et al. (1988), and Bamberger et al. (2000). In each case, the
thermodynamic module of this work is used to calculate the
properties as shown in their original units reported in the
references.

Fig. 1 shows a comparison between predicted equilibrium
ratios and those from experimental data available in the
literature. The comparison demonstrates an acceptable match
in the temperature range of 25-80 °C and a pressure range of 0—
100 MPa.

A comparison between solubility of CO, in the aqueous
phase calculated using the proposed module versus the
experimental data reported by Wiebe (1941) is presented in

(a) 500
O  Experimental data

This work

400

300 + 25 °C

K-Value

200

100

0 1'0 2'0 3I0 4I0 5I0 60
Pressure (MPa)

(©) 400
350
300
250
200
150
100

50 1

O  Experimental data
—— This work

60 °C

K-Value

0 10 20 30 40 50
Pressurec (MPa)

Fig. 2. Results presented in Fig. 2 show a good agreement
between experimental data and that predicted by the module
for the pressure range typically encountered in geological CO,
storage. Fig. 3 shows the effect of salinity on the dissolution of
CO,, in saline water. The results calculated are validated with
the experimental data reported by Malinin and Savelyeva
(1972) and Malinin and Kurovskaya (1975). This figure indicates
that the model successfully predicts the CO,-brine solubility
as a function of salinity and is able to match the experimen-
tally measured solubility.

Fig. 4(a) shows a comparison of the mole fraction of CO, in
the aqueous phase predicted by the model versus the
experimental data reported by Wiebe (1941). The vapor phase
mole fraction of the water componentis shown in Fig. 4(b). The
module predictions of mole fractions are in close agreement
with the experimental data of Wiebe (1941) at various
temperatures and pressures. An extensive comparison of
the results obtained using this study with other predictive
tools is presented by Hassanzadeh (2006). It was found that the
predictions of the proposed module are at least comparable to
those reported elsewhere. We also compared CO, density in
the supercritical region (not shown here) with those reported
by Span and Wagner (1996) and found an acceptable
agreement. In the following, the thermodynamic calculations
are used to generate PVT properties as required in black-oil
flow simulation.

(b) 200 -
O  Experimental data
This work
150 +
3
2
S 100 -
M
50
0 - : : -
0 20 40 60 80 100
Pressure (MPa)
(d) 2000
O Experimental data
1600 — This work

80 °C

0 10 20 30 40 50 60 70
Pressure (MPa)

Fig. 1 - Comparison between experimental data and calculated equilibrium ratio by the proposed module for a CO,~water
mixture for various temperatures: (a) 25 °G; (b) 50 °G; (c) 60 °C; (d) 80 °C. The experimental data are taken from Wiebe and

Gaddy (1939), Wiebe and Gaddy (1940), Wiebe (1941), Song and Kobayashi (1987), Tédheide and Frank (1963), Miiller et al.
(1988), Gillespie and Wilson (1982), Briones et al. (1987), D’Souza et al. (1988), Sako et al. (1991), King et al. (1992), Dohrn et al.

(1993), and Bamberger et al. (2000).
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-0 Model predictions (40 °C)
Model predictions (50 °C)
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CO, solubility in water (cm3 at STP/g water)

A Experimental (40°C)
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Fig. 2 - Solubility of CO, in water calculated by proposed
module and the experimental data of Wiebe (1941) as a
function of pressure.
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— This work
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e at 4795 kPa
j23
=
B 25 4
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E 1

5 4
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=
[}
g 10 A 100 °C
]
&

5 4
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Salt molality

Fig. 3 - Predicted CO, solubility at 4795 kPa in brines of
different salinity at various temperatures versus the
experimental data of Malinin and Savelyeva (1972) and
Malinin and Kurovskaya (1975).

5. Representation of CO,-brine equations of
state predictions in a black-oil simulator

The choice of the fluid model is very important in any flow
simulation including simulation of CO, storage in saline
aquifers. Black-oil flow simulators have been used for modeling
fluid flow in petroleum reservoirs, when the reservoir fluids can
be lumped into three components, oil, gas and water (Aziz and
Settari, 1979). In such simulators, these three components can
be partitioned in three phases generically called oil, gas and
water. In this system, the gas component is usually partitioned
between the oil and gas phases, while the oil and water
components generally exist only in oil and water phases,
respectively. On the other hand, compositional models have
been developed to simulate more complex phase equilibrium
systems such as those in miscible gas injection, when
partitioning of a larger number of components is important.

In an iso-thermal multi-component system, partitioning of
each component depends on pressure and composition.
However, when using black-oil formulation for a CO,-brine
system, accurate PVT calculations can be achieved using
standard black-oil PVT tables as a function of pressure only.
Therefore, the phase equilibrium calculations in black-oil
models are very fast and simplified by table look-up of black-
oil input data. This leads to much less computational time as
compared to time-consuming compositional calculations that
require frequent equations of state phase equilibrium calcula-
tions. Computation times using black-oil and compositional
simulation for a CO, injection study are compared in the next
section.

The implementation of the fluid module presented in this
work is very simple. The input data for the fluid module are
temperature and salinity. Having these two data points, the
module will provide black-oil PVT data needed for black-oil
flow simulation such as formation volume factor, solubility,

viscosity and compressibility factor as a function of pressure.
As mentioned, in contrast to multi-component hydrocarbon
systems, we are dealing with two components only; CO, and
brine. There is a large number of experimental data available
in the literature that has been used to tune the equations of
state for the CO,-brine mixture. Therefore, no experimental
measurements are needed and an accurate prediction of
thermodynamic data is possible using the developed module.

Two main parameters in black-oil simulators are solution
gas-oil ratio and oil formation volume factor. In order to use a
black-oil simulator for CO, storage simulation, one needs to
represent the brine and CO, by oil and gas, respectively. The
solution gas-oil ratio (CO,-brine ratio) and the oil (brine)
formation volume factor are defined as

Vico,se
Ry = —=—2%¢ 22
: Vbsc ( )
Bb _ Vd COz;;S + Vbres (23)
bsc

where Vyco,sc and Vyco,res are the volume of dissolved CO, in
formation brine at standard and reservoir conditions, respec-
tively, and Vy ¢ and Vp, yes are the formation brine volume at
standard and reservoir conditions, respectively. The parameters
inEgs. (22) and (23) can be expressed in terms of the equilibrium
properties of the CO,-brine mixture obtained from a tuned
equation of state. The CO, solubility in brine can be represented
by the solution gas-oil ratio function as presented by

ﬁbscXCOz
R, —_ 24
s pCO;sc(1 - xCOz) ( )

where py, ¢ and pgo,sc are the formation brine and CO, molar
density at standard conditions, and xco, is the CO, mole
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Fig. 4 - Mole fraction of CO, in the aqueous phase (a) and water mole fraction in the vapor phase (b) as a function of pressure
at various temperatures versus the experimental data of Wiebe (1941).

fraction in aqueous phase. In addition, the shrinkage and
swelling of the brine due to CO, release and dissolution can
be represented by the oil formation volume factor in a block-
oil simulator as given by

Pbsc
B — 25
b pbres(l - wCOZ) ( )

where pp sc and pp res are the formation brine mass density at
standard and at reservoir conditions, respectively, and wco,
is the CO, mass fraction in aqueous phase. Therefore, the
PVT data include gas-oil ratio (Rs) and formation volume
factor (By) as a function of pressure. Water and CO, viscosity
(b, 1g), brine compressibility (cp), and the gas compressi-
bility factor (Z) are also needed as input data. The gas
compressibility factor (Z) may be calculated using the Red-
lich and Kwong EOS (1949). The brine compressibility and
density are calculated using the Rowe and Chou (1970) cor-
relation. Brine and CO, viscosities as functions of pressure,
temperature, and salinity are calculated using the Kestin
et al. (1981), Vesovic et al. (1990), and Fenghour et al.
(1998) correlations, respectively. The molecular diffusion
coefficient of CO, into brine is also calculated using available
correlations in the literature (Ratcliff and Holdcroft, 1963;
McLachlan and Danckwerts, 1972; Al-Rawajfeh, 2004). It is
noted that the molecular diffusion may not be important in
black-oil simulations for flow simulations for oil and gas
reservoirs. However, in CO, storage in deep saline aquifers
we are dealing with century-long time scales where the
molecular diffusion becomes important (Lindeberg and Wes-
sel-Berg, 1996). Therefore, for completeness we included a
well-known correlation for calculation of molecular diffu-
sion coefficient. A summary of the correlations for transport
properties of CO, and brine are presented in Appendix C. A
sample of generated PVT data is presented in Fig. 5. These
data are used in the following section, where a comparison
of the black-oil and compositional computational efficiency
is presented.

6. Performance comparison of black-oil and
compositional simulations

Compositional reservoir simulators are well known to be more
time consuming than black-oil simulators. This is due to the
fact that compositional simulators perform frequent phase
equilibrium and flash calculations at each time step. Further-
more, the formulation in compositional simulators is more
complicated. Very often, this results in a larger number of
time-steps used by the compositional simulator. Composi-
tional simulators may have stability limitations resulting from
the time approximation of phase transmissibilities, the
approximation of new composition, and the iterative solution
of the phase equilibrium calculations (Settari, 2001). On the
other hand, black-oil reservoir simulators have the benefit of a
simpler numerical formulation and lower stability limitations
and, therefore, perform faster than compositional simulators
because of smaller number of calculations per time-step and
smaller number of time-steps.

The CO,-brine displacement in porous media is a difficult
numerical problem due to adverse mobility ratio and gravita-
tional segregation (Aziz and Settari, 1979). In addition, the
phase equilibrium calculation of CO,-brine is also computa-
tionally more difficult for current reservoir simulation
technology. In the following, we have shown that the work
per time step for a black-oil simulator is smaller than that of a
compositional simulator for CO, storage in saline aquifers,
and that the stability criterion of the compositional simulator
results in smaller time-steps as compared with the black-oil
simulator.

Black-oil and compositional simulations of CO, storage into
a saline aquifer are presented. The run times have been
compared for these two approaches for the simulation of CO,
into deep saline aquifers. Black-oil (IMEX, 2004) and composi-
tional (GEM, 2004) options from a commercial reservoir
simulator (CMG) are used to perform the numerical simulations.
A simple two-dimensional radial problem addresses the two-
phase flow of CO, and 150,000 ppm saline water under
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Fig. 5 - CO, and brine PVT data as functions of pressure for 150,000 ppm salinity at 50 °C needed for using a black-oil flow
simulator. (a) CO, solubility and brine formation volume factor; (b) brine compressibility and viscosity; (c) CO,
compressibility factor; (d) CO, viscosity and molecular diffusion coefficient of CO, in brine.

isothermal condition of 45 °C. The aquifer with a thickness of
100 m and the radius of 100 km is assumed homogeneous and
isotopic with permeability of 200 mD, porosity of 0.25 and rock
compressibility of 1.45 x 1077 1/kPa. The numerical model
consists of 90 grid blocks in the radial direction and 80 grid
blocks in the vertical direction. The relative permeability curves
for CO, and brine are calculated using the Corey function
(Honarpour et al., 1982). The aquifer is initially saturated with
brine and the pressure at top of the aquifer is 12 MPa.

Carbon dioxide is injected at a rate of 1 Mt/year during the
first 30 years of simulation into the aquifer. All the conditions
and parameters described above remained the same for both
black-oil and compositional simulations. Both simulators
provided very close results for pressure, water and gas
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saturation distributions and well bottom pressure. The
difference in pressure field (including well pressure) during
the simulation is less than 0.3%. For the saturation distribu-
tions the difference in results is less than 3%.

Commercial simulators have an automatic time-step
selection module that allows selection of larger time-steps
unless accuracy or stability is compromised. In the simulation
studies performed here, it was found that the black-oil
simulator chooses larger time-steps than the compositional
simulator. In order to compare the amount of CPU time for
similar time-steps, the maximum allowable time-step was
controlled. Fig. 6 shows the CPU times for both simulators
when two different maximum time-steps of 1 and 10 days
were used. In the first case (maximum time step of 1 day),
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Fig. 6 - Black-oil and compositional simulators CPU time for two maximum allowable time steps of 1 (a) and 10 (b) days

presented as a function of CO, injection time.
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simulation time-steps remained constant and equal to the
maximum time-step with the exception of the injection period
for both simulators. In the second case (maximum time step of
10 days), the black-oil simulator used the maximum allowable
time-step (of 10 days) for most of the simulation time, but the
compositional simulator used significantly smaller time-
steps. Results presented in Fig. 6 reveal that the black-oil
simulator performs three to four times faster than the
compositional simulator for the simple problem studied in
this work. As mentioned in the first case (maximum time step
of 1 day), both simulators used the same number of time steps.
Results demonstrate that the work per time step for the
compositional approach is four times larger than that of black-
oil simulation approach in this simple case.

While the black-oil simulator is able to use larger time
steps, the compositional simulator is not able to use such large
time step. When we relaxed the maximum time step for the
black-oil simulator, a larger speed up factor was obtained.
Furthermore, it was found that the compositional simulator is
very sensitive to the time-step during well shut-in and
opening. It is expected that for more difficult problems where
a large number of wells are in operation, the black-oil
simulator will demonstrate much faster simulations than
the compositional model.

7. Discussion

This paper proposes the use of black-oil models for simulation
studies of CO, storage in deep aquifers, and presents a simple
and efficient algorithm for computing the necessary PVT data.
For this purpose, the gaseous phase in the black-oil formula-
tion was used to represent the super-critical CO, phase. This is
appropriate for most scenarios of geological storage of CO,,
where the aquifer depth is more than 800-1000 m and the
pressure and temperature conditions are above the CO,
critical point. However, if conditions occur such that the
CO, crosses a phase boundary leading to formation of a new
phase, or the CO, is at near critical conditions where some of
the thermodynamic models used in this study would be
inaccurate, use of the black-oil simulation approach and/or
the algorithms suggested in this paper would be inappropriate.
Among other cases, such conditions may occur if the CO,
travels to shallow depths as a result of leakage from the
aquifer.

8. Summary and conclusions

Flow modeling of CO, sequestration in saline aquifers has
been treated in the literature since the early 1990s. Accurate
evaluation of capacity of a saline aquifer to sequester CO, by
solubility trapping needs precise representation of PVT data
for the CO,-brine system. Compositional reservoir simula-
tors that account for complex phase behavior and very
compositionally dependent systems are computationally
expensive compared to traditional black-oil simulators.
Although such compositional models are well suited for
enhanced oil recovery processes, like miscible gas injection,
a CO,-brine system allows a black-oil treatment. Simulation

of large-scale, long-term geological storage of CO, is
computationally intensive. However, by using a black-oil
simulation approach, the computational burden of flow
simulation can be reduced significantly. Equilibrium com-
positional data for a CO,-brine system can be converted into
traditional black-oil PVT data to account for CO, and water
phase partitioning. Such an approach, indeed, has been used
previously in the petroleum engineering literature for
translating compositional information into a black-oil data
for petroleum reservoir simulation (Kazemi et al., 1978; Aziz
and Settari, 1979). In this paper, a new fluid module was
developed based on a simple algorithm that allows generat-
ing black-oil PVT data required for flow modeling of CO,
storage in saline aquifers. The fluid module was then
validated with the experimental data available in the
literature. It was shown that the proposed fluid module is
able to provide fast and accurate representation of all the PVT
input data required for the black-oil flow simulation of CO,
storage in saline aquifers. Numerical simulations for a
simple CO, storage case reveal that the black-oil simulation
is at least four times faster than the compositional simula-
tion. It is anticipated that the speed-up factor is much larger
for more difficult problems. The accuracy in prediction of
CO,-brine black-oil PVT properties and improved computa-
tional efficiency increase confidence in application of black-
oil simulation approach for field-scale geological storage of
CO, in deep saline aquifers.
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Appendix A
The Redlich and Kwong EOS (1949) is given by

_RT _ am
P= V- bm TO'SV(V+bm)

(A1)

where Vis the molar volume of the CO,-rich phase; p pressure;
T temperature; R gas constant; parameters a and b character-
ize intermolecular attraction and repulsion, respectively.
Conventionally, a and b are obtained based on the critical
properties of the components. The following CO, and
water interaction parameters are used in the proposed
module after Spycher et al. (2003): aco, = 7.54 x 10" — 4.13 x
10*T (bar cm® K°° mol %) and beo, = 27.8(cm?/mol); an,0-co, =
7.89 x 107 (bar cm® K®* mol ?) and by, = 18.18 (cm?/mol).
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The mixture constants a and b are calculated using
Prausnitz et al. (1986) mixing rules:

N N
am =D Viy;aij (A2)

i=1i=1

N
bm =Y ybi (A3)
i=1

The fugacity coefficient ¢, of a component can be obtained by
the Prausnitz et al. (1986) formulation as

B v by
Ing, = ln<v_ bm) + (V — bm)
_(2ZEa it 1 (VA
RT"bpm v

+ (R;ngfn ) {m <V J\r/ bk> _ (V E’rmbm)} ~In <%> (A4)

The volume of the gas can be calculated from the following
cubic equation:

RT RTb a Aamb
v3—v2<—>—v —/m mo L p2 | o (2R A5
p p pTO.S + m pTOS ( )

where R = 83.1447 bar cm® mol™*K™%; V is in cm®/mol; p is in
bar; T is in K; b is in cm®/mol; a is in bar cm® K%° mol ™2

Appendix B. Procedure for converting
compositional phase equilibrium data into black-
oil PVT data

(1) Calculate gas molar volume by Eq. (A5).

(2) Calculate gas compressibility factor by PV/RT.

(3) Calculate fugacity coefficient for each component by using
Eq. (A4).

(4) Calculate CO, molality in pure water (mgoz) as outlined
below:

1-B

Ymo = 1A —B (B1)
where
¢co, P (p— PO)Vcoz}
_ _p=p)Vco, B2
5550800, ¢ T { RT (62)
A= K%ZO(E) exp (p - pO)VH20:| (B3)
Y0P RT
Xco, = B(1 = yp,0) (B4)
mgoz — m (B5)

XH,0

—_
Ul
~

Calculate CO, molality in pure water (mco,) as outlined
below:

First use Eq. (12) to calculate y then calculate
mC02 :m‘c’oz/y.

(6) Calculate water and CO, mole fractions and equilibrium
ratios using Egs. (14)-(19).

(7) Calculate brine density and compressibility using Rowe
and Chou correlation (1970).

a1 = 5.916365 — 0.01035794T + 0.9270048 x 10°T?
_ 1127.522 n 100674.1

T 2 (B6)
ay = 0.520491 x 1072 — 0.10482101 x 10 *T
+0.8328532 x 107872 — 1‘17(;2939 + 102%22783 (B7)
az = 0.118547 x 1077 — 0.6599143 x 107 1°T (B8)
as = —2.5166 + 0.0111766T — 0.170522 x 10~*T?2 (B9)
as = 2.84851 — 0.0154305T + 0.223982 x 107*T? (B10)
ag = —0.0014814 + 0.829639 x 107>T — 0.12469
x 1077 T? (B11)

a7 = 0.0027141 — 0.15391 x 107*T + 0.22655 x 10~’T? (B12)

ag = 0.62158 x 107% — 0.40075 x 10~8T + 0.65972
x 1071112 (B13)

1
—= (a1 — mdy — 7T2a3 + a4S + aSSZ — magS — 7161752
0

—0.57%agS) x 1073 (B14)

,OP — Pr
Co(p) = —FP—"— B15
b(p> pp(p — pr) ( )

where cpisinkPa % TisinK; is pressurein kgf/cmz; pisin
kg/m? at pressure p; S is salt mass fraction; p is pressure in
kPa; p, is brine density in kg/m® at reference pressure
(pr = 101.325 kPa).

(8) Calculate the aqueous phase (CO, saturated) density by
Eqg. (20) (Garcia, 2001).

(9) Calculate solution gas—oil ratio and water formation
volume factor by Egs. (24) and (25), respectively.

Appendix C. Correlations for transport properties
of CO, and brine

C.1. Brine viscosity

Kestin et al. (1981) presented a correlation for aqueous NaCl
solution viscosity as a function of temperature, pressure, and
brine salinity. The effect of dissolved CO, may be ignored as
proposed by Sayegh and Najman (1987), Enick and Klara (1992),
and Batzle and Wang (1992). Their viscosity correlation takes
the following form:

4

d i
14 WZﬂim ] (C1)

i=0

My = MO(Q*,m) +
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Table C1 - Various constants needed for calculation of CO, and brine viscosities

Constant 0 1 2 3 4 5
a; 3.324 x 1072 3.624 x 1072 —1.879 x 10~*
b; —3.96 x 10-? 1.02 x 102 7.02 x 10°*
G 1.2378 —1.303 x 103 3.06 x 10°° 2.55 x 108
d; 6.044 2.8x1073 3.6 x 10
e; 0.235156 —0.491266 5.211155 x 1072 5.347906 x 102 —1.537102 x 102
fi 5.5934 x 103 6.1757 x 10° 0.0 2.6430 x 1011
gi 0.4071119 x 1072 0.7198037 x 10~* 0.2411697 x 1071 0.297107 x 1022 —0.1627880 x 1022
B —1.297 5.74 x 1072 -6.97 x 107* 447 x 10°° —1.05 x 1078
i 2.5 -2.0 0.5
where CO, into water according to the following (Ratcliff and

0 3 3 4
log <%> =Y am' + iZl:bim‘ {9;% ;ci(e - 20)} (C2)

i=1

4 3
B(T,m) = {0.545 +28x107° - Zﬂimi}{Zf;; (mﬂ> }
i=0 i=1 s

+ Z,Bl-mi (C3)

2
mg=> dT (C4)
i=0

wpisin pPas, #isin °C,  is in Pa, m is salt molality, and &,
(20 °C) = 1002.0 pPas.

Various constants in the above equations are given in
Table C1.

C.2. Gas phase viscosity

To calculate viscosity of the gas phase, traditional black-oil
assume that the gaseous phase is pure CO,. Vesovic et al.
(1990) and Fenghour et al. (1998) presented correlations to
calculate CO, viscosity under a wide range of pressures and
temperatures as given below.

1.00697T*/2 5 gap® s gt
u(p,T) = W+Q1P+92P + P 940"+
4
+ Zfip (C5)
i1

where T" = kT/cand ¢/k = 251.196 K, pisin kg/m3, TisinK, uisin
wPas and

Iny’ (T*) = iei(lnT*)i (Ce)

i=0

Various constants in the above equations are given in
Table C1.

C.3. Molecular diffusion coefficient

At constant temperature, the diffusion coefficient of CO,
into brine can be determined with the diffusion coefficient of

Holdcroft, 1963; Al-Rawajfeh, 2004):

Do) (Mb)
log| =— ) =0.87log|( — C7
g<Db A (€7)
where Dy and po denote the molecular diffusion of CO, in
water and water viscosity, respectively. The diffusion coeffi-
cient of CO, in pure water is calculated by the following
correlation (McLachlan and Danckwerts, 1972):

712.52 2.5907 x 10°
_ e

logDg = —4.1764 + (C8)
where D is in m%/s and T is in Kelvin.
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